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Life does not consist mainly  

ï or even largely ï  
of facts and happenings.  

It consists mainly of the storm, that is   

forever blowing through oneôs head.  

-Mark Twain 
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Abstract 
 Initial reservoir rock wetting conditions are of the main factors influencing the overall 

oil recovery (primary, secondary and tertiary). Depending on the conditions under which an 

oil field was formed, different rock/oil/brine systems have been established over millions of 

years. In this study, the effect that the composition of formation water has on the wetting 

state of Stevns Klint Chalk cores was examined. More specifically, for carbonate rocks it has 

been experimentally observed that the existence of Sulfate (SO4
2-), Magnesium (Mg2+) and 

Calcium (Ca2+) ions in the formation water contributes towards an improved oil recovery.   

 The fact that the active oil compounds (e.g. R-COO-) are responsible for the mixed wet 

conditions justifies this observation, because these compounds serve as anchor molecules, 

creating a very strong bonding with the calcite surface. For high oil recovery to occur, the rock 

needs to be at least partially water-wet. In order to improve water-wetness, part of the oil 

active polar compounds must be removed by chemical reactions with injected water. Sulfate, 

Magnesium and Calcium ions operate as substituents of these oil active polar compounds, by 

creating symbiotic interactions with the rock surface. Sea water enriched in specific ions has 

been injected in several operators. For instance, in the Ekofisk field (Tres=130oC) in the 

Norwegian sector injection of sea water enriched in Sulfate and Magnesium ions has been 

proved as an enhanced oil recovery fluid. Additionally, the high reservoir temperature (130oC), 

acts complementary for wettability alteration to take place.  

 To examine the effect of each ion separately on the wetting conditions, three Chalk 

cores, drilled from the same quarry were used. Each core was saturated with a brine enriched 

in one of the above three ions. Afterwards, a mixture of Heidrun field crude oil (60%) and 

Heptane (C7) (40%) was flooded through the cores at 50oC. Effluent samples were collected 

and analyzed for negatively and positively charged polar compounds. For that reason, a 

potentiometric titrator was used and the properties related to the amount of negative and 

positive polar compounds are the Acid Number (AN) and the Base Number (BN) respectively. 

The cores were then aged at 50oC for two weeks to acquire a uniform polar compound 

distribution throughout each core. Afterwards, oil recovery wettability tests took place. More 

specifically, spontaneous imbibition and forced displacement processes were performed to 

the cores with Valhall Brine depleted in Sulphate (VB0S). Finally, Mild Cleaning procedure was 

conducted to restore the initial wetting state of the cores and compare the wetting state after 

the oil flooding and after the Mild Cleaning procedure. To measure the wettability of the 

cores, additional oil recovery wettability test (spontaneous imbibitions and chromatographic 

wettability test) took place, at ambient conditions.  

 The experimental results show that both Magnesium and Sulfate ions improve oil 

recovery, with Sulfate to bear the greatest impact. The effect of temperature on oil recovery 

wettability tests (at 20oC and 50oC) and the resulting wettability alteration is also discussed.  
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ʃʶˊʾ˂ʹ˕ʹ 
 ɶ ʰˊ˔ʽˁʺ ʵʽʰʲˊʶˁˍˈˍʹˍʰ ˍ˖˄ ˍʰ˃ʽʶˎˍʺˊ˖˄ ˉʶˍˊʶ˂ʰʾˇˎ ʶʾ˄ʰʽ ˃ʾʰ ʰˉˈ ˍʽˌ 

ˋʹ˃ʰ˄ˍʽˁˈˍʶˊʶˌ ˉʰˊʰ˃ʷˍˊˇˎˌ ˉˇˎ ʶˉʹˊʶʱʸˇˎ˄ ˍʹ˄ ˋˎ˄ˇ˂ʽˁʺ ʰ˄ʱˁˍʹˋʹ ˉʶˍˊʶ˂ʰʾˇˎ 

όˉˊ˖ˍˇʴʶ˄ʺˌΣ ʵʶˎˍʶˊˇʴʶ˄ʺˌ ˁʰʽ ˍˊʽˍˇʴʶ˄ʺˌύΦ ɮ˄ʱ˂ˇʴʰ ˃ʶ ˍʽˌ ˋˎ˄ʻʺˁʶˌ ʵʹ˃ʽˇˎˊʴʾʰˌ ˍ˖˄ 

ˍʰ˃ʽʶˎˍʺˊ˖˄ ˉʶˍˊʶ˂ʰʾˇˎΣ ʵʽʰ˃ˇˊ˒˗˄ˇ˄ˍʰʽ ˋʶ ʵʽʱˋˍʹ˃ʰ ʶˁʰˍˇ˃˃ˎˊʾ˖˄ ʶˍ˗˄ ʵʽʰ˒ˇˊʶˍʽˁʱ 

ˋˎˋˍʺ˃ʰˍʰ ˉʶˍˊ˗˃ʰˍˇˌκˉʶˍˊʶ˂ʰʾˇˎκʱ˂˃ʹˌΦ ʅˍʹ ˋˎʴˁʶˁˊʽ˃ʷ˄ʹ ʵʽˉ˂˖˃ʰˍʽˁʺ ʶˊʴʰˋʾʰ 

˃ʶ˂ʶˍʺʻʹˁʶ ʹ ʶˉʾʵˊʰˋʹ ˍˇˎ ˄ʶˊˇˏ ˍˇˎ ˋ˔ʹ˃ʰˍʽˋ˃ˇˏ ˉʱ˄˖ ˋˍʹ˄ ʰˊ˔ʽˁʺ ʵʽʰʲˊʶˁˍˈˍʹˍʰ 

ʵˇˁʽ˃ʾ˖˄ ˁʽ˃˖˂ʾʰˌΣ ˍʰ ˇˉˇʾʰ ˉˊˇʷˊ˔ˇ˄ˍʰʽ ʰˉˈ ˍˇ˄ ˋ˔ʹ˃ʰˍʽˋ˃ˈ Stevns Klint, ˍʹˌ ɲʰ˄ʾʰˌΦ ʃʽˇ 

ˋˎʴˁʶˁˊʽ˃ʷ˄ʰΣ ʷ˔ʶʽ ˉʰˊʰˍʹˊʹʻʶʾ ˉʶʽˊʰ˃ʰˍʽˁʱ ˋʶ ʰˋʲʶˋˍˇ˂ʽʻʽˁʱ ˉʶˍˊ˗˃ʰˍʰ ˈˍʽ ʹ ˏˉʰˊ˅ʹ 

ʻʶʽʿˁʺˌ ˊʾʸʰˌ όSO4
2-ύΣ ˁʰˍʽˈ˄ˍˇˌ ˃ʰʴ˄ʹˋʾˇˎ όMg2-ύ ˁʰʽ ˁʰˍʽˈ˄ˍˇˌ ʰˋʲʶˋˍʾˇˎ όCa2+ύ ˋˍˇ ˄ʶˊˈ ˍˇˎ 

ˋ˔ʹ˃ʰˍʽˋ˃ˇˏ ʶˉʽʵˊˇˏ˄ ʶˎʶˊʴʶˍʽˁʱ ˋˍʹ˄ ʰ˄ʱˁˍʹˋʹ ˉʶˍˊʶ˂ʰʾˇˎΦ  

 ɶ ̄ʰˊʰˍʺˊʹˋʹ ʰˎˍʺ ʰˉˇʵʾʵʶˍʰʽ ˋˍˇ ʴʶʴˇ˄ˈˌ ˈˍʽ ˍʰ ʶ˄ʶˊʴʱ ˉˇ˂ʽˁʱ ˋˎˋˍʰˍʽˁʱ ˍˇˎ 

ˉʶˍˊʶ˂ʰʾˇˎ όˉΦ˔Φ R-COO-ύ ʶʾ˄ʰʽ ˎˉʶˏʻˎ˄ʰ ʴʽʰ ˍʽˌ ˁʰˍʰˋˍʱˋʶʽˌ ʶ˄ʵʽʱ˃ʶˋʹˌ ʵʽʰʲˊʶˁˍˈˍʹˍʰˌΣ 

ˁʰʻ˗ˌ ˍʰ ˋˎʴˁʶˁˊʽ˃ʷ˄ʰ ˉˇ˂ʽˁʱ ˋˎˋˍʰˍʽˁʱ ˂ʶʽˍˇˎˊʴˇˏ˄ ˋʰ˄ ˃ˇˊʽʰˁʷˌ ζʱʴˁˎˊʶˌηΣ 

ʵʹ˃ʽˇˎˊʴ˗˄ˍʰˌ ˉˇ˂ˏ ʽˋ˔ˎˊˇˏˌ ˔ʹ˃ʽˁˇˏˌ ʵʶˋ˃ˇˏˌ ˋˍʽˌ ʰˋʲʶˋˍʽˍʽˁʷˌ ʶˉʽ˒ʱ˄ʶʽʶˌΦ  ɱʽʰ ˄ʰ 

ʶˉʽˍʶˎ˔ʻʶʾ ˎ˕ʹ˂ʺ ʰ˄ʱˁˍʹˋʹ ˉʶˍˊʶ˂ʰʾˇˎΣ ˍˇ ˉʷˍˊ˖˃ʰ ˍˇˎ ˍʰ˃ʽʶˎˍʺˊʰ ˉˊʷˉʶʽ ˄ʰ ʶʾ˄ʰʽ 

ˍˇˎ˂ʱ˔ʽˋˍˇ˄ ˃ʶˊʽˁ˗ˌ ˎʵʰˍˇʵʽʰʲˊʶˁˍˈΦ ɾʶ ˋˍˈ˔ˇ ˍʹ ʲʶ˂ˍʾ˖ˋʹ ˍʹˌ ˎʵʰˍʽˁʺˌ ˉˊˇˍʾ˃ʹˋʹˌ ˍˇˎ 

ˉʶˍˊ˗˃ʰˍˇˌΣ ˃ʷˊˇˌ ʰˎˍ˗˄ ˍ˖˄ ʶ˄ʶˊʴ˗˄ ˉˇ˂ʽˁ˗˄ ˋˎˋˍʰˍʽˁ˗˄ ˉˊʷˉʶʽ ˄ʰ ʰˉˇ˃ʰˁˊˎ˄ʻˇˏ˄Φ ʆʰ 

ʽˈ˄ˍʰ ʻʶʾˇˎΣ ˃ʰʴ˄ʹˋʾˇˎ ˁʰʽ ʰˋʲʶˋˍʾˇˎ ˂ʶʽˍˇˎˊʴˇˏ˄ ˋʰ˄ ˎˉˇˁʰˍʰˋˍʱˍʶˌ ʰˎˍ˗˄Σ 

ʵʹ˃ʽˇˎˊʴ˗˄ˍʰˌ ˋˎ˃ʲʽ˖ˍʽˁʷˌ ʰ˂˂ʹ˂ʶˉʽʵˊʱˋʶʽˌ ˃ʶ ˍʹ˄ ʶˉʽ˒ʱ˄ʶʽʰ ˍˇˎ ˉʶˍˊ˗˃ʰˍˇˌΦ 

ɸʰ˂ʰˋˋʽ˄ˇ ˄ʶˊˈΣ ʶ˃ˉ˂ˇˎˍʽˋ˃ʷ˄ˇ ˋʶ ˋˎʴˁʶˁˊʽ˃ʷ˄ʰ ʽˈ˄ˍʰ ʷ˔ʶʽ ʶʴ˔ˎʻʶʾ ˋʶ ʵʽʱ˒ˇˊʶˌ 

ʶʴˁʰˍʰˋˍʱˋʶʽˌΦ ɱʽʰ ˉʰˊʱʵʶʽʴ˃ʰΣ ˋˍˇ ˉʶʵʾˇ Ekofisk όʆres=130oCύΣ ˍˇˎ ɿˇˊʲʹʴʽˁˇˏ ˍˇ˃ʷʰ ʷ˔ˇˎ˄ 

ˉˊʰʴ˃ʰˍˇˉˇʽʹʻʶʾ ʶʴ˔ˏˋʶʽˌ ˄ʶˊˇˏ ˍˇ ˇˉˇʾˇ ʺˍʰ˄ ʶ˃ˉ˂ˇˎˍʽˋ˃ʷ˄ˇ ˋʶ ʻʶʽʿˁʺ ˊʾʸʰ ˁʰʽ ˁʰˍʽˈ˄ 

˃ʰʴ˄ʹˋʾˇˎΣ ˇʽ ˇˉˇʾʶˌ ʰˉʷʵʶʽ˅ʰ˄ ˍʹ ˔ˊʺˋʹ ˍˇˎ ˋˎʴˁʶˁˊʽ˃ʷ˄ˇ ˎʶ˃ˉ˂ˇˎˍʽˋ˃ʷ˄ˇˎ ˄ʶˊˇˏΣ ˖ˌ 

ˎʴˊˈ ʲʶ˂ˍʾ˖ˋʹˌ ˍʹˌ ʰ˄ʱˁˍʹˋʹˌ ˉʶˍˊʶ˂ʰʾˇˎΦ ɳˉʽˉ˂ʷˇ˄Σ ʹ ˎ˕ʹ˂ʺ ʻʶˊ˃ˇˁˊʰˋʾʰ ˍˇˎ 

ˍʰ˃ʽʶˎˍʺˊʰ όмолˇCύΣ ʶˉʽʵˊʱ ʶˎʶˊʴʶˍʽˁʱ ˋˍʹ˄ ˉˊʰʴ˃ʰˍˇˉˇʾʹˋʹ ʵʽʰʲˊʶˁˍʽˁʺˌ ˍˊˇˉˇˉˇʾʹˋʹˌΦ   

 ʆˊʾʰ ʵˇˁʾ˃ʽʰ ˁʽ˃˖˂ʾʰˌ ˍˇˎ ˋ˔ʹ˃ʰˍʽˋ˃ˇˏ Stevns KlintΣ ˍʰ ˇˉˇʾʰ ʶʾ˔ʰ˄ ʵʽʰˍˊʹʻʶʾ ʰˉˈ 

ˍˇ ʾʵʽˇ ˍʶ˃ʱ˔ʽˇΣ ˔ˊʹˋʽ˃ˇˉˇʽʺʻʹˁʰ˄ ˗ˋˍʶ ˄ʰ ʶ˅ʶˍʰˋˍʶʾ ʹ ʶˉʾʵˊʰˋʹ ˍˇˎ ˁʱʻʶ ʽˈ˄ˍˇˌΣ ˔˖ˊʽˋˍʱΦ 

ɴˉʶʽˍʰΣ ʷ˄ʰ ˃ʾʴ˃ʰ ʲʰˊʷˇˌ ˉʶˍˊʶ˂ʰʾˇˎ όHeidrum fieldύ όсл҈ύ ˁʰʽ ʶˉˍʰ˄ʾˇˎ όC7) (40%), 

ʶʴ˔ˏʻʹˁʶ ˃ʷˋʰ ʰˉˈ ˍʰ ʵˇˁʾ˃ʽʰ ˋˍˇˎˌ рлˇCΦ ʅˎ˂˂ʷ˔ʻʹˁʰ˄ ʵʶʾʴ˃ʰˍʰ ˉʶˍˊʶ˂ʰʾˇˎΣ ˍʰ ˇˉˇʾʰ 

ʰ˄ʰ˂ˏʻʹˁʰ˄ ˖ˌ ˉˊˇˌ ˍʰ ʻʶˍʽˁʱ ˁʰʽ ˍʰ ʰˊ˄ʹˍʽˁʱ ˒ˇˊˍʽˋ˃ʷ˄ʰ ˉˇ˂ʽˁʱ ˋˎˋˍʰˍʽˁʱΦ ɱʽʰ ˍˇ˄ ˂ˈʴˇ 

ʰˎˍˈΣ ˉˊʰʴ˃ʰˍˇˉˇʽʺʻʹˁʶ ˍʽˍ˂ˇʵˈˍʹˋʹ ʵˎ˄ʰ˃ʽˁˇˏ όpotentiometric titration)Σ ˃ʽʰ ˃ʷʻˇʵˇˌ 

˃ʷˋ˖ ˍʹˌ ˇˉˇʾʰˌ ʶˁˍʽ˃ʱˍʰʽ ́  ʵʽʰ˒ˇˊʱ ʵˎ˄ʰ˃ʽˁˇˏ ˋʶ ʷ˄ʰ ʵʽʱ˂ˎ˃ʰΣ ˃ ʶ ˍʹ ˔ˊʺˋʹ ʹ˂ʶˁˍˊˇʵʾˇˎΣ 

ʹ ˇˉˇʾʰ ˇ˒ʶʾ˂ʶˍʰʽ ˋˍʹ˄ ˏˉʰˊ˅ʹ ˉˇ˂ʽˁ˗˄ ˋˎˋˍʰˍʽˁ˗˄Φ ʁʽ ʽʵʽˈˍʹˍʶˌ ˉˇˎ ˋˎ˄ʵʷˇ˄ˍʰʽ ˃ʶ ˍʹ˄ 

ˉˇˋˈˍʹˍʰ ʰˊ˄ʹˍʽˁʱ ˁʰʽ ʻʶˍʽˁʱ ˒ˇˊˍʽˋ˃ʷ˄˖˄ ˉˇ˂ʽˁ˗˄ ˋˎˋˍʰˍʽˁ˗˄ ˇ˄ˇ˃ʱʸˇ˄ˍʰʽ Acid Number 

(ANύ ˁʰʽ Base Number (BNύΣ ʰ˄ˍʾˋˍˇʽ˔ʰΦ ʅˍʹ ˋˎ˄ʷ˔ʶʽʰΣ ˍʰ ʵˇˁʾ˃ʽʰ ˍˇˉˇʻʶˍʺʻʹˁʰ˄ ˋʶ ʶʽʵʽˁʺ 

ˁ˂ʾ˄ʹ ˋˍˇˎˌ рлˇC ɹ ʽʰ ʵʽʱˋˍʹ˃ʰ ʵˏˇ ʶʲʵˇ˃ʱʵ˖˄Σ ˗ˋˍʶ ˍʰ ˉˇ˂ʽˁʱ ˋˎˋˍʰˍʽˁʱ ˄ʰ ˁʰˍʰ˄ʶ˃ʹʻˇˏ˄ 

ˋʶ ˈ˂ʹ ˍʹ˄ ʶˉʽ˒ʱ˄ʶʽʰόΣ ˁʱʻʶ ʵˇˁʽ˃ʾˇˎύΦ ʃˊʰʴ˃ʰˍˇˉˇʽʺʻʹˁʰ˄ ʵˇˁʽ˃ʷˌ ʰ˄ʱˁˍʹˋʹˌ ˉʶˍˊʶ˂ʰʾˇˎ 

ˁʰʽ ˃ʷˍˊʹˋʹˌ ˍʹˌ ʵʽʰʲˊʶˁˍˈˍʹˍʰˌΦ ʃʽˇ ˋˎʴˁʶˁˊʽ˃ʷ˄ʰΣ ʵʽʰʵʽˁʰˋʾʶˌ «ʰˎ̒ˈˊ˃ʹˍʹˌ 

ʰ˄ʰˊˊˈ˒ʹˋʹˌ» (spontaneous imbibitionύ ˁʰʽ ζʶ˅ʰ˄ʰʴˁʰˋ˃ʷ˄ʹˌ ʶˁˍˈˉʽˋʹˌη όforced 

displacementύ ˉˊʰʴ˃ʰˍˇˉˇʽʺʻʹˁʰ˄Σ ˃ʶ ˔ˊʺˋʹ ʱ˂˃ʹˌ ˍˇˎ ˉʶʵʾˇˎ ValhallΣ ʰˉˈ ˍʹ˄ ˇˉˇʾʰ ʶʾ˔ʶ 

ʰˉˇ˃ʰˁˊˎ˄ʻʶʾ ˍˇ ʻʶʾˇΦ ʆʶ˂ʽˁ˗ˌΣ ʰˁˇ˂ˇˏʻʹˋʶ ʵʽʰʵʽˁʰˋʾʰ ʺˉʽˇˎ ˁʰʻʰˊʽˋ˃ˇˏΣ ˃ʶ ˋˍˈ˔ˇ ˍʹ˄ 

ʰˉˇˁʰˍʱˋˍʰˋʹ ˍʹˌ ʰˊ˔ʽˁʺˌ ʵʽʰʲˊʶˁˍˈˍʹˍʰˌ ˍ˖˄ ʵˇˁʽ˃ʾ˖˄ ˁʰʽ ˍʹ ˋˏʴˁˊʽˋʹ ˍʹˌ 

ʵʽʰʲˊʶˁˍˈˍʹˍʰˌ ˃ʶˍʱ ˍʹ˄ ʷʴ˔ˎˋʹ ˉʶˍˊʶ˂ʰʾˇˎ ˁʰʽ ˃ʶˍʱ ˍʹ ʵʽʰʵʽˁʰˋʾʰ ʺˉʽˇˎ ˁʰʻʰˊʽˋ˃ˇˏΦ ʆˇ 

ʶˉʾˉʶʵˇ ʵʽʰʲˊʶˁˍˈˍʹˍʰˌ ˃ʶˍˊʺʻʹˁʶ ˃ʷˋ˖ ʵˇˁʽ˃˗˄ ʰ˄ʱˁˍʹˋʹˌ ˉʶˍˊʶ˂ʰʾˇˎ ˁʰʽ ˃ʷˍˊʹˋʹˌ 

ʵʽʰʲˊʶˍˁˈˍʹˍʰˌΣ ˋʶ ˋˎ˄ʻʺˁʶˌ ˉʶˊʽʲʱ˂˂ˇ˄ˍˇˌΦ  
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 ʆʰ ˉʶʽˊʰ˃ʰˍʽˁʱ ʰˉˇˍʶ˂ʷˋ˃ʰˍʰ ʷʵʶʽ˅ʰ˄ ˈˍʽ ˍʰ ʽˈ˄ˍʰ ˃ʰʴ˄ʹˋʾˇˎ ˁʰʽ ʻʶʾˇˎ ʲʶ˂ˍʾ˖ˋʰ˄ 

ˍʹ˄ ʰ˄ʱˁˍʹˋʹ ˉʶˍˊʶ˂ʰʾˇˎΣ ˃ʶ ˍˇ ʻʶʾˇ ˄ʰ ˉʰˊˇˎˋʽʱʸʶʽ ˍʹ ˃ʷʴʽˋˍʹ ʶˉʾʵˊʰˋʹΦ ɶ ʶˉʾʵˊʰˋʹ ˍʹˌ 

ʻʶˊ˃ˇˁˊʰˋʾʰˌ ˋˍʽˌ ʵˇˁʽ˃ʷˌ ʰ˄ʱˁˍʹˋʹˌ ˉʶˍˊʶ˂ʰʾˇˎ ˁʰʽ όˋˍˇˎˌ нлˇC ˁʰʽ рлˇCύ ˁʰʽ ʹ 

ˉˊˇˁʰ˂ˇˏ˃ʶ˄ʹ ˃ʶˍʰʲˇ˂ʺ ˍʹˌ ʵʽʰʲˊʶˁˍˈˍʹˍʰˌ ʰˉˇˍʽ˃ʺʻʹˁʶΦ  
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1. Introduction 

1.1 Reservoir rocks 
¢ƘŜǊŜ ŀǊŜ ǘƘǊŜŜ Ƴŀƛƴ ǘȅǇŜǎ ƻŦ ǊŜǎŜǊǾƻƛǊΩǎ ǊƻŎƪǎΥ {ŀƴŘǎǘƻƴŜǎΣ 5ƻƭƻƳƛǘŜǎ ŀƴŘ 

Limestones. Each type of rock has developed different properties and characteristics (e.g. 

porosity, permeability, wettability etc.), regulated mainly by the circumstances under which 

they were formed, the minerals they consist of and the grain structure that they exhibit. 

 Sandstone is a medium-grained clastic sedimentary rock, which is composed of sand 

particles, quartz, clay and other minerals, such as: hematite, ilmenite, feldspar, amphibole and 

mica. [6] 

 Dolomite belongs to the carbonate group. It is a sedimentary rock, which consists of 

the mineral dolomite (Ca, Mg)(CO3)2. Dolomite has the same environmental origin as 

limestone: warm, shallow marine environments. The difference is that the underground water 

where dolomite was formed was rich in Magnesium. That was how calcite was converted into 

dolomite. This chemical ŎƘŀƴƎŜ ƛǎ ƪƴƻǿƴ ŀǎ άŘƻƭƻƳƛǘƛȊŀǘƛƻƴέΦ Lƴ ŎŀǎŜ ŀ Ŧǳƭƭ ŀƭǘŜǊŀǘƛƻƴ ǘŀƪŜǎ 

place, the whole rock is transformed into dolomite otherwise, dolomitic limestone is formed 

(partial alteration). [7] 

 Limestone is a sedimentary rock which consists of the mineral calcite CaCO3. It is an 

organic rock, formed by the accumulation of shell, coral algal and fecal debris. It is formed in 

low-energy marine environments, where the organisms are capable to form calcium 

carbonate shells and skeletons, since the ocean water can easily provide the ingredients 

needed. When these animals die, their shells and skeleton debris accumulate as a sediment 

that under the proper conditions, might be lithified into limestone. [9] 

It can also be formed by direct precipitation of calcium carbonate, from marine 

environments (lakes, oceans). This type of rock formation is considered chemically formed 

and it is less abundant, than biological limestones. [9] 

In case evaporation takes place, precipitation of calcite occurs and the rock that is 

formed, belongs to the evaporate group. [9] 

By definition, carbonate rocks contain at least 50% calcium carbonate in the form of 

calcite by weight. It can also be consisted of small particles of other minerals such as: quartz, 

feldspar, clay minerals, pyrite, siderite and other. [9] 

 Depending on the different compositions, appearance, the way that the rock was 

formed and other factors, many different names are used to describe a limestone. The most 

common varieties used are: chalk, coquina, fossiliferous limestone, lithographic limestone, 

oolithic limestone, travertine and tufa. [9] 
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1.2 /ƘŀƭƪΩǎ aƛƴŜǊƻƭƻƎȅ ŀƴŘ ŦƻǊƳŀǘƛƻƴ 
Chalk is the type of rock which will be examined and utilized during the course of this 

study. It is classified as biochemically produced sedimentary rock and when pure, it appears 

to have the same chemical composition as calcite (CaCO3). Otherwise, impurities might be 

present, such as: clay, iron, magnesium etc. When pure, it is a white in colour, soft in touch, 

fine-grained, porous rock.  

Most of the world-wide chalk deposits, were 

ŦƻǊƳŜŘ ŘǳǊƛƴƎ ǘƘŜ /ǊŜǘŀŎŜƻǳǎ ǇŜǊƛƻŘΦ /ǊŜǘŀŎŜƻǳǎΩ ǇŜǊƛƻŘ 

extend from approximately 145 to 66 million years ago 

and appears as the last period of the Mesozoic Era. 

/ǊŜǘŀŎŜƻǳǎ ƳŀǊƪǎ ǘƘŜ ōŜƎƛƴƴƛƴƎ ƻŦ ŘƛƴƻǎŀǳǊǎΩ ŜȄǘƛƴction, 

also known as the Great Extinction, during which the 

conditions were suitable for petroleum to be formed. 

During this geologic period, which spans 79 million years, 

ƎǊŜŀǘ ŎƘŀƴƎŜǎ ƻŎŎǳǊǊŜŘ ǘƻ ǘƘŜ ŜŀǊǘƘΩǎ ǘŜŎǘƻƴƛŎ ƭŀƴŘƳŀǎǎΦ 

¢ƘŜ ǘǿƻ άǎǳǇŜǊŎƻƴǘƛƴŜƴǘǎέΥ Gondwana (to the South) and 

Laurasia (to the North) separated from each other. As a 

result, the South Atlantic Ocean joined the North Atlantic 

Ocean (mid-oceanic ridge was formed) and smaller 

continents started to form (e.g. Africa, South America, 

Antarctica connected with Australia etc.) [1]. The Tethys 

Sea started to disappear as Africa moved North towards 

Eurasia.[3] This tectonic displacement led to a sea level 

elevation thus, creating inland seas. That geological event 

is called Marine Transgression and created proper 

geological conditions for Chalk (CaCO3) to form, since deeper sea sediments were being 

deposited on top of continentally-derived beach sediments (sand). As a result, the sequence 

of rocks which was formed from bottom to top is: sand-shale-limestone. [8]  

Additionaly, Chalk was formed in low-

energy marine environments, mainly from 

calcareous shells, remains of microscopic 

marine organisms, such as foraminifers, or 

from the calcareous remains of numerous 

types of marine algae, planktonic skeletons. 

That is the reason why Cretaceous Chalk has 

low impurities, which can be recognized by 

the white or light grey colour it usually has. It 

is a soft limestone with a very fine texture and 

LǘǎΩ ōƛƻƎŜƴƛŎ ƻǊƛƎƛƴ ƛǎ ǳǎǳŀƭƭȅ ǊŜǾŜŀƭŜŘ ōȅ ǘƘŜ 

presence of fossils on the rocks surface. [9] It 

has a low concentration in magnesian calcite, which makes the rock very chemically and 

mineralogy stable.  

 

 

Figure 1.2: Visible fossil on a chalk core 

Figure 1.1: Schematic Illustration of Marine 

Transgression event [8] 
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 1.3 North Sea Chalk Reservoirs 
 According to Hardman R. F. P. [10], the creation of North Sea Chalk reservoirs was a 

result of fortunate circumstances, which will be analyzed below. Initially, during the 

Cenomonian period, the deposition of Chalk started under the gradually rising sea level 

(Marine Transgression).  As it has been mentioned, those times were characterized by warm 

weather, allowing coccolithophorid algae and coccoliths population to increase. As it has been 

pointed out by Bromley (1979) and Hardman & Kennedy (1980), the particle settling took 

place mainly as entire or disintegrating fecal pellets. They suggest that the coccoliths were too 

small to settle by themselves. After settling, sea/wave current could not affect the formation, 

ƳǳŎƘ ŀƴŘ ŀŦǘŜǊ άŎƘŀƭƪ ƳǳŘκƻƻȊŜέ ōŜŎŀƳŜ ŘŜǿŀǘŜǊŜŘΣ ŜǊƻǎƛƻƴ ŎƻǳƭŘ ǘŀƪŜ ǇƭŀŎŜ ƻƴƭȅ ōȅ 

ƛƴǘŜƴǎŜ ŎǳǊǊŜƴǘ ƻǊ άƭŀƴŘ-ǎƭƛǇǎέΦ 

 Furthermore, because of Marine Transgression that took place at the North Sea, from 

the Upper Turanian to the Lower Santonian times and during the Maastrichtian period, 

terrestrial material (e.g clay) was reduced or disappeared from the North Sea Chalk formations 

thus increasing the purity of the formation. In case Chalk contains more that 5% of clay, its 

compaction is affected. More specifically, when compaction takes place, clay prevents the 

formation of the initial open framework of the rock, as it works as an adhesive material 

(cement). In addition, the degree of compaction is greater compared to pure chalk because 

the clay flakes rotate normal to the stress. Additionally, the clay minerals have the ability to 

absorb magnesium ions, leading to carbonate precipitation (might create dolomite 

[(Mg,Ca)(CO3)2]). So, in the case of North Sea section re-deposition of clays in the form of 

cement and overgrowths, was not to a great extent, hence pure chalk formed. (Hardman, 

1982). 

Another fortunate factor, according to 

Hardman and Kennedy (1980), that led to oil 

reservoirs formation was that during the early 

diagenesis (compaction and burrowing), about 

50% of the initial water quantity inside the 

porous medium dropped off. Due to this 

dewatering effect, coccospheres and coccolith 

scales were broken and fractures were 

created. As a result, oil migration and oil 

saturation were able to take place. 

Additionally, due to geological factors, 

diagenesis did not reduce the porosity of the 

rock. Normally, diagenesis reduces porosity 

from approximately 50% at the sea bed to 10% 

at depth between 3000 and 4000m. (Hardman, 

1982) For instance, Valhalll oil Field, which is 

located in the Norwegian sector of the North 

Sea, has approximately 50% porosity at a 

depth of 2500m. 

As burial continued, lithification and 

loss of porosity would occur, but the presence 

ƻŦ ƳŀƎƴŜǎƛǳƳ ƛƻƴǎ ƭŜŘ ǘƻ ƻƛƭ άǎǳǇŜǊǎŀǘǳǊŀǘƛƻƴέΦ 

As a result, over-pressuring and oil 

Figure 1.3: Oil Saturation-Pressure for different average rock 

formations (The Hod fields reservoirs (After Hardman and Kennedy 

1980)) 
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ŜƳǇƭŀŎŜƳŜƴǘ άǇǊƻǘŜŎǘŜŘέ ǘƘŜ ŦƻǊƳŀǘƛƻƴǎ ŀƴŘ ǊŜǘŀǊŘŜŘ ǘƘŜ ŘƛŀƎŜƴŜǎƛǎΦ Lƴ ŎŀǎŜ ƻŦ ŦǳǊǘƘŜǊ 

compaction, weakly-bonded coccoliths are crushed and porosity is mechanically reduced even 

more and led to size reduction and was immediately susceptible to further rapid solution.  

 Generally, due to the composition of the porous medium (grain size, fine grained, 

spherical shape), right after burial, the chalk rock has high porosity (45%-50%) and low 

permeability (1-3mD). Due to this fact, it forms a reservoir with micro-pores. In order for fluid 

to enter into the porous medium, adequate pressure differential is needed. Beneath these 

ƘȅŘǊƻŎŀǊōƻƴ ŦƛŜƭŘǎΣ ǘƘƛŎƪ άōŜŘǎέ ƻŦ YƛƳƳŜǊƛŘƎŜ ŀƴŘ hȄŦƻǊŘ /ƭŀȅ ǎƻǳǊŎŜ ǊƻŎƪǎ ƭŀȅΣ ŦƻǊƳŜŘ ƛƴ 

the Tertiary period. During the Oligocene, fractures were created, due to the structural growth 

and as a consequence hydrocarbons escaped. The amount of hydrocarbons which were 

generated started to accumulate within the structural openings. 

 Due to these fractures and hydrƻŎŀǊōƻƴǎΩ ŘŜƴǎƛǘȅ όōǳƻȅŀƴŎȅύΣ ƘȅŘǊƻŎŀǊōƻƴǎ were 

ŀōƭŜ ǘƻ ŜƴǘŜǊ ƛƴǘƻ ǘƘŜ ŎƘŀƭƪǎΩ ŦƻǊƳŀǘƛƻƴǎ όǊŜǎŜǊǾƻƛǊǎύΦ Lƴ ƻǊŘŜǊ ŦƻǊ ƘȅŘǊƻŎŀǊōƻƴǎ ǘƻ ŘƛǎǇƭŀŎŜ 

the already resident fluid, a given pressure differential was required. As shown in Figure 1.3, 

depending on thŜ ŦƻǊƳŀǘƛƻƴΣ ŀ ŘƛŦŦŜǊŜƴǘ άŜƴǘǊȅ pressureέ Ƴǳǎǘ ōŜ ŀǇǇƭƛŜŘΦ {ǇŜŎƛŦƛŎŀƭƭȅΣ 

formations with higher amount of sand and clays, exhibit lower oil saturation. Additionally, 

the Diagram in Figure 1.3 shows that the lower the initial pressure needed, the higher the oil 

saturation.  
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2. Oil Properties and Oil Recovery 
Crude oil is a complex mixture of: hydrocarbons (H/C), Nitrogen (N), Oxygen (O), 

Sulfate (S) and other elements and compounds. Depending on the different ways these 

compounds are connected, crude oil exhibits different chemical and physical properties.  

 In order to design the oil exploitation in the most efficient way, the oil characteristics 

need to be known. Some of the main oil properties are: molar mass (M), equilibrium 

coefficients (K-value) at given temperatures and pressures, density (d, API index), UOP index, 

viscosity (˃ ), PVT (Pressure/Volume/Temperature) parameters (Bo, Bg, RS, RV), GOR and 

compressibility factor (c). 

Molar mass (M) is defined as the mass of one mol of a substance and it is expressed in [g/mol]. 

It is calculated as the sum of the atomic masses of each atom.  

 

Equilibrium coefficient (or K-value) is defined for each individual component, at given 

temperature and pressure conditions as the ratio of its molecular fraction in the vapor phase 

to its molecular fraction in the liquid phase: 

ὑ     [2.1] 

 

Specific Gravity: for a gas mixture of H/C is defined as the ratio of the density of the mixture 

to the density of dry gas at standard conditions. One the other hand, for a liquid mixture of 

H/C, the density of the mixture is divided to the density of water at ambient conditions (60oF, 

14.696psia). 

API is an index correlated to the specific gravity of H/C and is defined as: 

    ὃὖὍ
Ȣ

  ͽ
ρσρȢυ                [2.2] 

According to the equation above, the higher the specific gravity of an H/C mixture the 

lower the API index.  

  

UOP Index is an index correlated with the boiling point and the specific gravity, which is used 

in order to characterize the H/C. The classes are  

Table: 

Class UOP 

Mixture of paraphinic 12.5-13 

Rich in naphthenic 11-12 

Rick in aromatics 9-11 
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Viscosity of a fluid is a property that defines the resistance of the fluid to be gradually 

deformed by shear or tensile stress (flow). It is expressed as: a) Dynamic (absolute) viscosity 

( )˃ and b) kinematic viscosity (v).  

 

a) Dynamic viscosity (˃) is expressed as: 

‘       [2.3] 

Where, 

¶ :˃ dynamic viscosity [N*s/m2] 

¶ ˍΥ ǎƘŜŀǊƛƴƎ ǎǘǊŜǎǎ ƛƴ ŦƭǳƛŘ ώbκƳ2] 

¶ :ɹ shear rate [s-1] ( =ɹdc/dy) 

o dc: unit velocity [m/s] 

o dy: unit distance between layers [m] 

 

Figure 2.1: Illustration of the shearing stress between the layers of a non-turbulent fluid in straight parallel lines. 

(www.engineeringtoolbox.com) 

 

b) Kinematic viscosity (v) is defined as the ratio of dynamic viscosity to the density of the fluid: 

ὺ      [2.4] 

Where, 

¶ v: kinematic viscosity [m2/s] 

¶ :˃ absolute viscosity [N*s/m2] 

¶ d: density of the fluid [kg/m3] 

Kinematic viscosity depicts the thickness of the fluid.  

 

PVT parameters  

 Depending on the pressure and temperature conditions under which the oil reservoir 

was formed, the oil acquires different volume and properties. Some of the main oil properties 

are presented below.  

http://www.engineeringtoolbox.com/
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Oil Formation Volume Factor (FVF or Bo) is defined as the ratio of liquid oil volume at reservoir 

conditions (where gas is dissolved) over the volume of oil at ambient conditions after the 

dissolved gas is released.  

ὄ
ͽ

ͽ     [2.5] 

 

Gas Formation Volume Factor (Bg) is defined as the volume of gas, at reservoir conditions 

[bbl] that one gas volume unit occupies at ambient conditions [scf].  

ὄ πȢπςψςzὤ  [ft 3/scf]  [2.6] 

Where:  

¶ T: Temperature [Rankin] 

¶ P: Pressure [psia] 

Solution gas/oil ratio (Rs) is defined as the volume of gas at standard conditions that 

dissolves into one STB of oil under reservoir conditions and is expressed as standard cubic feet 

per stock-tank barrel [scf/STB].  

 

Gas/Oil ratio (GOR) is defined as the volume of produced gas at ambient conditions, 

divided by the volume of produced oil at ambient conditions.  

ὋὕὙ
ͽ

ͽ    [2.7] 

 

Isothermal Compressibility oil Factor (co)  

The compressibility factor expresses the ability of a fluid to be compressed. Especially 

for unsaturated oil reservoirs, this factor defines the amount of expansion that accompanies 

the pressure drop that occurs during the oil exploitation.  

The isothermal compressibility factor under these conditions is defined as:  

ὧ    [2.8] 

In saturated oil conditions, below the bubble point pressure, oil isothermal 

compressibility is defined from oil and gas properties to account for gas coming out of 

solution. The corresponding saturated oil compressibility is defined as: [32] 

ὧ ὄ   [2.9] 

 

http://petrowiki.org/Oil_bubblepoint_pressure
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2.1 Classification of crude oil polar components 
It is well known that in general crude oil is a non-polar substance although depending 

ƻƴ ƛǘǎΩ ǉǳŀƭƛǘȅΣ ƻǊƛƎƛƴ ŀƴŘ ƎŜƻƭƻƎƛŎ ƘƛǎǘƻǊȅΣ ƛǘ Ƴŀȅ Ŏƻƴǘŀƛƴ ǇƻƭŀǊ ŎƻƳǇƻǳƴŘǎΦ ¢ƘŜ ƳŜǘƘƻŘ ǳǎŜŘ 

to divide in the lab the oil polar components, into groups, is called SARA fractionation. More 

specifically, this method splits the crude oil components according to their polarity. It has been 

named that way by the initial letters of the crude oil components: Saturates, Aromatics, Resins 

and Asphaltenes. The Saturates fraction consists of non-polar compounds (linear, branched 

and cyclic saturated H/C-paraffin). Aromatic components are associating with low reactivity 

and polarity since they consists of non-saturated cyclic H/C. Resins and Asphaltenes, are both 

polar, also known as heteroatoms (NSO). The difference is that asphaltenes are insoluble in 

excess of heptane (C7), whereas resins are miscible. 

Depending on the relative percentage of each group, an oil is characterized as: Heavy 

oil, Light oil or Intermediate oil. The classification can be illustrated graphically as shown in 

Figure 2.2. 

 

Figure 2.2: Crude oil components classification (IFP) 

 

2.2 Reservoir Fluid Types  
 Depending on the circumstances under which a rock reservoir was formed, different 

rock/oil/brine systems are formed, with respect to the brine composition and the 

hydrocarbon fluid that the rock retains. Below, the different reservoir fluid types will be 

analyzed. 

 In general, high pressure and temperature, increase the attractive forces and the 

kinetic energy of the molecules, in a solution. More specifically, in an hydrocarbon mixture, as 

temperature increases, the repulsion forces are also developed, hence the molecules in the 

solution tend to develop repulsive forces. As a result, the equilibrium established in the 

system is regulated by the interaction between the attractive and repulsive forces. [3] 
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These conditions result to 

different reservoir fluid types which are 

expressed graphically through the phase 

envelope (Diagram 1).  The phase 

envelope is a thermodynamic diagram 

which is described by the composition of 

pressure, temperature values for which 

phase change will occur.    

 

 

 

 

 

 

[ŜǘΩǎ ŀǎǎǳƳŜ an one substance system, then the properties below, belong to the phase 

envelope and can be defined as:  

¶ Dew point: point which for specific P,T conditions the first (liquid) droplet of oil 

appears.  

¶ Bubble point: point which for specific P,T conditions the first bubble appears.  

¶ Saturation points: are called the dew point and the bubble point.  

¶ Critical point: is the point on P,T graph where the geometric loci of dew and bubble 

points converge.  

 

For values of P,T, inside and on the line that defines the envelope, the mixture appears to 

be on two-phase equilibrium, whereas on any other point the mixture exists as one-phase.  

Depending on the pressure, temperature conditions, the origin of the organic matter and 

the composition of the mixture, the reservoir fluids are classified into five (5) categories: 

1. Dry Gas 

2. Wet Gas 

3. Gas Condensate 

4. Volatile Oil 

5. Black Oil 

 

Figure 2.3: Typical phase envelope 
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Dry Gas: 

Due to the high temperature and 

pressure conditions that occurred during the 

catagenesis, the heavier hydrocarbon 

molecules broke down to lighter. The graph 

shows that in case of reservoir exploitation, 

this type of reservoir will only produce dry 

gas, since, by reducing the pressure during 

production, under stable temperature, the 

mixture which will be produced will be in 

single phase. Due to the fact that the points 

that depict the production are on the right 

hand side of the critical point, the phase is 

gas. [3] 

 

Wet Gas: 

 It is noticed that the phase envelope is 

being shifted to the right, with respect to the 

previous one. That occurred due to the fact that 

the mixture of hydrocarbons (H/C) has higher 

concentration of heavier H/C. As pressure 

drops, during the reservoir exploitation, only 

gas is produced. The difference with the dry gas 

ǊŜǎŜǊǾƻƛǊ ƛǎ ǘƘŀǘ ǎƛƴŎŜ ǘƘŜ Ǉƻƛƴǘ άǎŜǇŀǊŀǘƻǊέ 

shown on the graph is inside the phase 

envelope, liquid will be formed at ambient 

conditions in the separator. The amount of 

liquid to be condensed depends on the initial 

composition of the effluent. [3] 

 

Gas Condensate: 

 It is a type of reservoir fluid which 

has heavier H/C compounds compared to a 

Wet Gas fluid type. It is easily noticed that 

part of the hydrocarbons produced will be 

liquid and part will be gas, since the 

temperature of the reservoir (Tres) is higher 

than the critical temperature (Tc). The 

percentage of each phase depends on the 

amount of heavier H/C in the mixture. The 

fluid in the separator will also be both liquid 

and gas. [3] 

Figure 2.6: Typical phase envelope of Gas Condensate reservoir [4] 

Figure 2.4: Typical phase envelope of Dry gas 

reservoir [4] 

Figure 2.5: Typical phase envelope of Wet Gas reservoir [4] 
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Volatile Oil: 

 This type of fluid contains an even higher 

concentration of heavier H/C, with respect to the 

previous one. Its phase envelope is more shifted to 

the right and the reservoir temperature (Tres) is 

lower than the critical temperature (Tc). Hence, the 

fluid produced will be mostly liquid. At point 2, the 

bubble point (Bp) is reached, which means that gas 

will be produced. Inside the separator, both gas 

and liquid will be produced. [3] 

 

Figure 2.7: typical phase envelope of 

Volatile Oil reservoir [4] 

 

Black Oil: 

 This type of fluid has low 

concentration of volatile components. For 

gas to form, the reservoir pressure needs 

to be decreased significantly. [3] 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 2.8: Typical phase envelope of Black oil reservoir [4] 
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2.3 Oil Recovery Methods 
Oil recovery is defined as the oil extraction process that takes place in the field. 

Initially, oil arrives to the surface due to pressure difference between the reservoir (high 

pressure) and the atmosphere (1atm). In this stage, pump jacks or other artificial lift devices 

might be used, to stabilize the system and maintain a stable oil recovery. This stage is called 

Primary Oil Recovery and usually only 5% to 15% of OOIP is recovered. [2] 

The following stage of recovery is Secondary Oil Recovery. During this process, gas or 

water is injected, so more oil is being displaced and forced to flow through the perforations. 

Typically, an additioƴŀƭ ол҈ ƻŦ ǘƘŜ ƻƛƭΩǎ ǊŜǎŜǊǾŜǎ Ŏŀƴ ōŜ produced. However, from this stage 

and on recovery requires expertize and well trained professionals (at the field) and 

researchers (at the laboratory). [2]For that reason many different techniques have been 

developed in order to increase the recovery beyond the secondary stageΩǎ ƻƴŜ. These 

methods are called Tertiary Oil Recovery ones, known also as Enchanced Oil Recovery (EOR) 

ones. In contrast with the previous two stages, these methods aim to alter the properties 

either of the rock or of the hydrocarbons, with purpose to enhance the oil recovery. The three 

most commonly applied EOR techniques are: [2] 

¶ Thermal Recovery: Is a technique which aims to reduce the viscosity of the 

ƻƛƭΣ ǳǎǳŀƭƭȅ ōȅ ƛƴǘǊƻŘǳŎƛƴƎ ǎǘŜŀƳ ƛƴǎƛŘŜ ǘƘŜ ǊŜǎŜǊǾƻƛǊΦ !ǎ ŀ ǊŜǎǳƭǘΣ ǘƘŜ ƻƛƭΩǎ 

ability to flow is enhanced.  

¶ Gas injection: by this method, natural gas, nitrogen or carbon dioxide, is 

injected inside the reservoir. The gases are able to expand, reduce the oil 

viscosity by dissolving and push oil to be produced. 

¶ Chemical flooding: many different chemicals have been found to act 

complementary, with respect to the recovery. Some of them are: polymers, 

surfactants, alkaline, micellar, emulsion etc. All these chemicals aim to alter 

the rock and fluid interactions and increase the oil recovery. 

¶ Other EOR methods: microbial EOR, foam, low salinity water injection, water 

alteration gas injection. 
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3. Fundamentals of Fluid Flow 

3.1 Fluid Flow inside the porous medium 
 There are three main forces that interact with each other and are involved in the flow 

of fluids through a saturated porous medium. Those are: Capillary action, viscous forces and 

hydrostatic forces. Each one is examined separately in the paragraphs 3.1.1, 3.1.2 and 3.1.3.  

 

3.1.1 Capillary Action 
 Capillary action is the result of surface tension and adhesive forces. At liquid-air 

interfaces, the surface tension is caused by cohesion within the liquid (e.g. net effect). [1] In 

Figure 3.1, the capillary action is illustrated. For liquid to rise in a tube, the adhesive force 

needs to be greater than the cohesive forces.  

 

 

 

 

 

 

 

 

                        Figure 3.1: Capillary action on tubes 

 

¢ƘŜ ƘŜƛƎƘǘ ƻŦ ǘƘŜ ŎƻƭǳƳƴ ƛǎ ƎƛǾŜƴ ōȅ WǳǊƛƴΩǎ [ŀǿΥ 

Ὤ
ᶻᶻ  

ᶻᶻ
   [3.1.1.1] 

Where, 

¶ h: height of a liquid column [m] 

¶ :ɹ liquid-air surface tension [N/m2] 

¶ :̒ contact angle [degrees] 

¶ :́ density of the fluid [kg/m3] 

¶ g: local acceleration due to gravity (9.81m/s2) 

¶ r: radius of the tube [m] 

 

The capillary pressure is defined as the difference between the pressure prevailing the 

non-wetting phase and the pressure in the wetting phase (view Chapter 4. Wettability): 

ὖ ὖ  ὖ                 [3.1.1.2] 
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According to the Young-Laplace equation, the capillary pressure is given by the equation [3]: 

ὖ
ᶻᶻ  

   [3.1.1.3] 

Where, 

¶ Pc: capillary pressure [N/m3] 

¶ :ɹ interfacial tension [N/m2] 

¶ :̒ contact angle [degrees] 

¶ rc: effective radius of the interface [m] 

 

Capillary pressure can serve both as opposing force, for the fluid most imbibed onto the 

surface (wetting phase) or as driving force for the non-wetting phase, since due to the surface 

tension cause by the pressure difference between the wetting and non-wetting phase (eq. 

3.1.1.2), the non-wetting phase tends to acquire the least surface area possible (eq. 3.1.1.3).[3] 

It is important for the capillary pressure to be known, in order to properly estimate certain 

core properties (e.g. wettability, relative permeability) and optimize the oil recovery. 

 

3.1.2 Viscous Forces 
 [ŜǘΩǎ ŀǎǎǳƳŜ a fixed (not moving) plate and a plate moving due to a force F (Figure 

3.2). Between the two plates, there is a fluid. By moving the plate with a velocity v, the first 

layer of the fluid closer to the plate will start moving. The stronger the force applied on the 

plate, the more layers gradually move. At the bottom, the fluid will remain stagnant until all 

the layers above have started moving.  

 

 

 

 

 

 

 

 

 

Figure 3.2: Illustration of viscous force during fluid flow (source: https://cnx.org/contents/pCk_wk3i@5/Viscosity-

and-Laminar-Flow-Poi) 

The force applied on the upper plate is called viscous force, and is defined as: 

 

Ὂ –z ΅   [3.1.2.1] 

https://cnx.org/contents/pCk_wk3i@5/Viscosity-and-Laminar-Flow-Poi
https://cnx.org/contents/pCk_wk3i@5/Viscosity-and-Laminar-Flow-Poi
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Where, 

¶ Fviscous: viscous forces [N] 

¶ :́ kinematic viscosity [N*s/m2] 

¶ A: area [m2] 

¶ ɲvx: velocity difference at x-axis [m/s] 

¶ ɲy: Displacement difference between the two plates [m] 

5ŜǇŜƴŘƛƴƎ ƻƴ ǘƘŜ ŎƻǊǊŜƭŀǘƛƻƴ ōŜǘǿŜŜƴ ǘƘŜ ƛƴŜǊǘƛŀƭ ŀƴŘ ǘƘŜ ǾƛǎŎƻǳǎ ŦƻǊŎŜǎΣ wŜȅƴƻƭŘΩǎ 

Number is defined: 

ὙὩ
 

 
   [3.1.2.2] 

ὙὩ
ᶻ  

  z ᶻ
 [3.1.2.3] 

 

       ὙὩ
ᶻᶻ

   [3.1.2.4] 

Where, 

¶ Re: Reynold Number 

¶ :́ density [kg/m3] 

¶ u: velocity of the fluid [m/s] 

¶ L: characteristic linear dimension [m] 

¶ :˃ dynamic viscosity [N*s/m2] 

 

It is noted that the inertial force defines the force that is opposite in direction to an 

accelerating force on a body. 

wŜȅƴƻƭŘΩǎ bǳƳōŜǊ ƛǎ ǳǎŜŘ ǘƻ ŘŜǘŜǊƳƛƴŜ ǘƘŜ Ŧƭƻǿ ǊŜƎƛƳŜ ƻŦ ǘƘŜ ŦƭǳƛŘ ǿƛǘƘƛƴ ǘƘŜ ǇƻǊƻǳǎ 

medium. Depending on its value the flow is characterized as shown in Table 1: 

Table 1: Flow classification regarding Re number 

Flow Types  Re 

Laminar flow <2300 

Intermediate flow 2300-4000 

Turbulent flow >4000 

 

Laminar flow is characterized by the smooth flow of the fluid in layers that do not mix, while 

Turbulent flow is characterized by eddies and swirls that mix layers of fluid together. 

Intermediate flow as the appellation betrays, is referred to an intermediate condition 

between the initial two flow conditions.  
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3.1.3 Hydrostatic Pressure  
[ŜǘΩǎ ŀǎǎǳƳŜ ŀ reservoir rock saturated with oil and brine. Gravity forces have an 

impact on the oil droplets, which are mainly determined by the density difference. In case the 

density difference between the two immiscible fluids is large, the gravity forces need to be 

taken under consideration in a multiphase flow system as the depth of burial is increased. 

!ŎŎƻǊŘƛƴƎ ǘƻ tŀǎŎŀƭΩǎ [ŀǿΣ ǘƘŜ ƎǊŀǾƛǘȅ pressure is given by the equation: 

     Ὃ ῳ”ὫὬ   [3.1.3.1] 

Where, 

¶ G: gravity pressure [kg/(m*s2)] 

¶ ɲ :́ density difference [kg/m3] 

¶ g: local acceleration due to gravity (9.81m/s2) 

¶ h: height of the fluid column [m] 

 

3.2 Permeability  
The fluid flow inside a reservoir rock is carried out through the pores of the rock. 

Permeability of a rock is a measure of its ability to transmit fluid through it. The greater the 

permeability of the porous medium, the easier the fluid flows. [5] 

 

Figure 3.33: Porous medium and permeability 

Permeability is related to the porosity, the shape of the pores and the level of their 

connectivity and tortuosity. Figure 3.3 illustrates the relation between connected and non-

connected porous mediums. The more connected the porous are, the higher the permeability. 

Generally, permeability is defined with respect to the direction that it is examined (vertically, 

horizontally or at a random angle). 

Permeability is also classified into: Effective permeability and relative permeability. 

Absolute permeability (k) is the permeability of a porous medium saturated with a single fluid. 

It can be calculated from the steady-ǎǘŀǘŜ Ŧƭƻǿ 5ŀǊŎȅΩǎ [ŀǿ for linear incompressible fluid 

flow: 
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Ὧ
ᶻᶻ

ᶻ
   [3.2.3.1] 

Where, 

k: permeability (D) 

Q: flow rate (ml/sec) 

ɲP: pressure differential (atm) 

A: area (cm2) 

L: length (cm) 

:˃ absolute viscosity (cP) 

Lƴ ƻǊŘŜǊ ŦƻǊ 5ŀǊŎȅΩǎ [ŀǿ ǘƻ ōŜ ŀǇǇƭƛŎŀōƭŜΣ ŦƻǳǊ όпύ ŎƻƴŘƛǘƛƻƴǎ Ƴǳǎǘ ŀǇǇƭȅΥ   

¶ There is no chemical interaction between the fluid and the porous medium. 

¶ The fluid inside the porous medium does not change phase.  

¶ The flow must be laminar.  

¶ The pores are considered connected.   

 

However, usually oil reservoirs contain two or three different fluids. For that reason, 

effective and relative permeability must be taken under consideration. 

Effective permeability (kn) is a measure of the conductance of a porous medium for a given 

fluid phase, when the medium is saturated with more than one fluid. It is calculated from the 

equation: 

ή    [3.2.3.2] 

Where, 

¶ qn: volumetric flow rate for a specific phase, n [m3/min] 

¶ A: flow area [m2] 

¶ ɲʊn: flow potential drop for phase, n. 

¶ ń: density of a specific phase [kg/m3] 

¶ n˃: fluid viscosity for phase, n. [N*s/m2] 

¶ L: flow length [m] 

The different phases that might exist in general in a reservoir are: oil (o), gas (g) and water 

(w) and the effective permeability of each phase is symbolized as: ko, kg, kw respectively.  

 

Relative permeability (krn) is the ratio of the effective permeability of a fluid at a given 

saturation, to some base permeability. Usually, the base is either the absolute permeability 

(k) or the permeability of oil at connate water saturation: 

 

Ὧ    [3.2.3.3] 
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Where, 

¶ krn: relative permeability of phase n [D]. 

¶ kn: efficient permeability of phase n [D]. 

¶ k: absolute permeability [D]. 

Similarly, the relative permeability of each phase that exists in a reservoir is: kro, krg and 

krw for oil, gas and water respectively.  

 

3.3 Waterflooding 
 As it has already been mentioned (Chapter 2.3: Oil Recovery Methods), waterflooding 

is applied in the field, in order to maintain reservoir pressure and produce oil through oil 

displacement. Often waterflooding is conducted experimentally in the laboratory in order to 

examine the potential oil production from a rock under specific conditions. 

 

 

Figure 3.4: Saturation profile during waterflooding [5] 

In Figure 3.4, the linear waterflooding process inside a reservoir is depicted. Initially, 

water flows through the porous medium where part of the oil is being displaced and part is 

being trapped in dead-ends or by capillary forces. 

The efficiency of waterflooding depends on a variety of properties, such as: oil and 

brine viscosities, pores geometry, permeability, etc. These factors regulate the time water 

breakthrough will occur and consequently the amount of oil produced.  

Water breakthrough is a term used to determine the time that the water injected for 

improving oil recovery, arrives at the production wells. [6]After water break-through, oil 

production rates are reduced.  

Probably the most simplified and widely used method that estimated the oil recovery 

from water injection is the Buckley-Leverett theory (1942). This theory makes the 

assumptions: [8] 

¶ Flow is linear and horizontal 

¶ Water is injected into an oil reservoir 

¶ Oil and water are both incompressible 

¶ Gravity and capillary pressure effects are negligible 
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Inside a hydrocarbon reservoir three different flow zones can be defined as 

waterflooding takes place: 

¶ Water zone (SwҒ100%): Only water will be produced from a well completed 

in this zone. 

¶ Oil zone (So=Sor): There is connate water which is essentially immobile and 

only oil will be produced from this zone. 

¶ Transition zone: Both oil and water will be produced, and at each point the 

fraction of the flowrate that is water (water fraction) will depend on the oil 

and water saturations at that point. 

Flow through a small volume element, with length (ɲx) and cross-sectional area (A) 

can be expressed as: 

ή ή ή     [3.3.1] 

ή ή Ὢz     [3.3.2] 

ή ή Ὢz     [3.3.3] 

Where, 

¶ qt: total flow rate 

¶ qw: water flow rate 

¶ qo: oil flow rate 

¶ fw: water fraction (water-cut) 

¶ fo: oil fraction  

The water and oil fractional flows are given by the equations 3.3.4 and 3.3.5 

respectively:   

       Ὢ      [3.3.4] 

        Ὢ      [3.3.5] 

                   Ὢ Ὢ ρ    [3.3.6] 

 

Where,  

¶ qw: volumetric water production rate [bbl/day] 

¶ qo: volumetric oil production rate [bbl/day] 

¶ q: total production (q=qw+qo) [bbl/day] 
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Figure 3.5:  Fraction of water flowing with respect to water saturation [7] 

 

The tangent shown in Figure 3.5 originates at the initial water saturation. The average 

water saturation (ὛӶ) behind the fluid front is determined by the intersection between the 

tangent line and fw=1. The Swf determines the water saturation at the front.  

The slope of the fractional flow curve at conditions of the front is equal to: 

Ӷ
   [3.3.7] 

In order the equation 3.3.7 to be valid the tangent to the fractional flow curve, from 

the point Sw = Swc, where ắw = 0, must have a point of tangency with co-ordinates (Sw = Sǿắ, ắw 

Ґ ắǿắ), and extrapolated tangent must intercept the line ắw = 1 at the point (Sw = Swbt , ắw = 1). 

Additionally, this equation ƛƎƴƻǊŜǎ ǘƘŜ ŜŦŦŜŎǘ ƻŦ ǘƘŜ ŎŀǇƛƭƭŀǊȅ ǇǊŜǎǎǳǊŜ ƎǊŀŘƛŜƴǘΣ ҜtŎ κ ҜȄΦ 

The water accumulation per unit time ɲSw/ɲt is given by the formula: [8] 

      
ᶻ

ᶻᶻ
    [3.3.8] 

Where, 

¶ ˒Υ porosity 
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3.3.1 Properties affecting waterflooding 
 

Oil/Water Viscosity ratio (˃ o/ w˃) on waterflooding 

The water/oil viscosity ratio has an impact on relative permeability curves. More 

specifically, at high water/oil viscosity ratio the relative permeability curve and the water 

breakthrough resembles the preferentially water-wet system. In contrast, if the ratio is low, 

then water break-through occurs rapidly and the system appears as having an oil-wet 

preference. This behavior is described by the fractional flow equation: 

Ὢ    [3.3.1.1] 

Or, 

▓►▫
▓►◌ ╢◌

Ⱨ▫
Ⱨ◌

█◌
█◌

 [3.3.1.2] 

 

Where, 

¶ 
Ὧ
Ὧ : oil/water relative permeability ratio 

¶ 
‘
‘  : oil/water viscosity ratio 

¶ Ὢ: fraction of water flowing 

The overall mobility m, is defined as: [9] 

ά     [3.3.1.3] 

Before water breakthrough, production is regulated by both the viscosity and the 

relative permeability ratio. The oil/water viscosity ratio is inversely proportional to the 

oil/water relative permeability ratio, as it is shown above, interpreting the connection 

between viscosity ratio and wettability. 
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Figure 3.6: Effect of viscosity ratio on fractional flow (fw) [7] 

Figure 3.6 illustrates the effect that the oil/water viscosity ration has on fractional 

flow. The higher the difference between oil and water viscosities, the less efficient the oil 

recovery is.   

With respect to the experimental procedures, it should be noted that since viscosity 

is often sensitive to temperature, experimental tests conducted to evaluate the behavior of a 

specific oilfield, must be performed at reservoir T, P conditions. [1] 

 

Porous medium geometry  

 As it has already been mentioned, the shape of the pores and their interconnectivity, 

affect the fluid flow inside the porous medium.   

 

Figure 3.7: Flow paths in porous medium 

 Depending on the openings existing between the pores, the flow is characterized as:  

1. Macropore flow: when the flow among the pores occurs relatively easily.  

2. Mesopore flow: is defined as the flow through pores that stand closer to each other 

and for flow to happen, a higher pressure needs to be applied.  

3. Micropore flow: where flow occurs more difficult with respect to the previous ones, 

due to the size of the pores. 
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 The homogeneity or heterogeneity of the porous medium is an important rock 

characteristic, since the more homogeneous the rock is, the more pores are connected and 

the easier the flow occurs.   

 

Relative Permeability  

 Relative permeability affects waterflooding, since the higher the relative water 

permeability in comparison to the relative oil permeability, the easier the water flows through 

the porous medium.  
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4. Wettability 
 Throughout millions of years of geological changes, an equilibrium between the 

rock, the oil and the brine has been established. From a chemical and thermodynamic point 

of view, the oil and the brine interact with the rock in order to create the most stable system 

όǇǊƛƴŎƛǇƭŜ ƻŦ ƭƻǿŜǊ ŜƴŜǊƎȅύΦ Lǘ ƛǎ ǿŜƭƭ ƪƴƻǿƴ ǘƘŀǘ ƛƴƛǘƛŀƭƭȅ ŀƴŘ ōŜŦƻǊŜ ǘƘŜ ƘȅŘǊƻŎŀǊōƻƴǎΩ 

migration has taken place, the rock is saturated with brine. When the oil escapes from the 

source rock and accumulates inside the reservoir, it displaces part of the brine. The amount 

of brine which will be displaced out of the rock depends on the wettability, the temperature, 

the pressure, the oil and the brine composition.   

Wettability  is the relative adhesion of two fluids to a solid surface. [1]The immiscible 

ŦƭǳƛŘǎ Ŏŀƴ ŜƛǘƘŜǊ ǎǇǊŜŀŘ ƻǊ ŀŘƘŜǊŜ ƻƴǘƻ ǘƘŜ ǊƻŎƪǎΩ ǎǳǊŦŀŎŜΦ ¢ƘŜ ǇǊŜŦŜǊŜƴŎŜ ǘƘŜ ǊƻŎƪ ǎƘƻǿǎΣ 

depends on different properties, which will be analyzed in detail below.  

 [ŜǘΩǎ ŀǎǎǳƳŜ ŀ ǊƻŎƪκƻƛƭκōǊƛƴŜ ǎȅǎǘŜƳ όCƛƎǳǊŜ пΦм), the preference of the rock to be 

wetted by one of the phases, depends on the contact angle that is created between the 

oil/water/rock/system.   

 

Figure 4.1: Rock/Oil/Water system (petroleum expolitation notes N. Varotsis) 

  

The contact angle is calculated according to the equation: 

 

ÃÏÓ—     [4.1] 

 

Where, 

¶ :̒ water/rock contact angle  

¶ s̀o: solid-oil surface tension   

¶ s̀w: solid-water surface tension 

¶ ẁo: water-oil surface tension 

 

As it has already been mentioned (Chapter 3.1), surface tension is caused by the 

unbalanced forces between the hydrocarbons, the brine and the minerals at the rock surface. 

Depending on the value of the calculated contact angle, the wettability is classified as shown 

in the Table 1: 
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Table 1: Wettability classification based on contact angles (Source: Iglauer et al. (2015)[2]) 

Wettability state Contact angle (degrees) 

Complete wetting or spreading of water 0 

Strongly water-wet 0-50 

Weakly water-wet 50-70 

Neutrally wet 70-110 

Weakly non-wetting to water 110-130 

Strongly non-wetting to water 130-180 

Completely non-wetting to water 180 

 

 

4.1 Wettability Classification  
  The main reservoir porous media wetting states are: water-wet, oil-wet, mixed wet 

and fractionally wet. These conditions are described below: 

 

4.1.1 Water-wet 
 Water-wet is considered the porous media that leads to a condition, where in a 

rock/oil/brine system more than 50% of its surface is covered with brine (water).  Water fills 

ǘƘŜ ǎƳŀƭƭŜǊ ǇƻǊŜǎ ŀƴŘ ǘƘŜ άŘŜŀŘ-ŜƴŘǎέ ŀƴŘ ŜȄƛǎǘǎ ŀǎ ŀ ŦƛƭƳ ŎƻŀǘƛƴƎ ǘƘŜ ƭŀǊƎŜǊ ǇƻǊŜǎΦ hƛƭ ŜȄƛǎǘǎ 

as droplets in the larger pores and may cover surfaces where preferentially oil-wet minerals 

exist. It should be noted that the highest the water saturation the more discontinuous the 

non-wetting phase is. Water exists as continuous phase in case the water saturation is equal 

or greater to the initial water saturation (Swi). Additionally, in case a water-wet rock is 

saturated with oil, water will spontaneously imbibe into the rock, displacing the oil, until a 

static equilibrium is accomplished, between the capillary forces and surface energy forces of 

the fluids and the rock surfaces. [1] 

4.1.2 Oil-wet 
 In case of a preferentially oil-wet system, the condition is reversed. Since the rock is 

initially wet with water, when oil accumulates inside the porous medium, it spontaneously 

imbibes into the surface. Oil occupies the smaller porous and displaces the brine. When water 

exists in the larger pores, it is usually in the centre, on the film of oil. Consequently, oil is 

present as a continuous wetting phase in the porous medium, as long as the oil saturation is 

equal or greater to the residual oil saturation (Sor). [1] 

 

4.1.3 Mixed-wet 
 The term mixed-ǿŜǘ ƛǎ ǳǎŜŘ ǘƻ ŘŜǎŎǊƛōŜ ǘƘŜ ǎǘŀǘŜ ǿƘŜǊŜ άǘƘŜ ǎƳŀƭƭ ǇƻǊŜǎ ƛƴ ǘƘŜ ǊƻŎƪ 

are water-wet and filled with water, whereas the larger pores are oil-wet and filled with oil, 

ƛƴ ŎƻƴǘŀŎǘ ǿƛǘƘ ǘƘŜ ǇƻǊŜ ǿŀƭƭǎ ǘƘŀǘ ŦƻǊƳ ŀ Ŏƻƴǘƛƴǳƻǳǎ ǇŀǘƘ ǘƘǊƻǳƎƘ ǘƘŜ ƭŜƴƎǘƘ ƻŦ ǘƘŜ ǊƻŎƪέΦ 
[4.1] Salatheil (1973) supported that this condition occurs when the oil that accumulates inside 

the reservoir is composed by surface-active compounds, which would gradually displace the 

remaining films of water on the pore surface. Due to the strong capillary forces in the smaller 

pores, the water displacement pressure is too high for oil to enter. [1] 
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In Figure 4.2, the different rock wetting conditions are presented. The film layer of the 

wetting phase can be noticeable in the two extreme conditions.  

 

Figure 4.2Υ ²Ŝǘǘŀōƛƭƛǘȅ ŎƻƴŘƛǘƛƻƴǎ όǎƻǳǊŎŜΥ άŦǳƴŘŀƳŜƴǘŀƭǎ ƻŦ ǿŜǘǘŀōƛƭƛǘȅϦ ǿǿǿΦǎƭōΦŎƻƳύ 

 

4.1.4 Fractionally wet 
This term is used to άŎƘŀǊŀŎǘŜǊƛȊŜ ƘŜǘŜǊƻƎŜƴŜƻǳǎ ǿŜǘǘƛƴƎ, of the pore surfaces where 

ǘƘŜ ǇǊŜŦŜǊŜƴǘƛŀƭ ǿŜǘǘƛƴƎ ƛǎ ǊŀƴŘƻƳƭȅ ŘƛǎǘǊƛōǳǘŜŘ ǘƘǊƻǳƎƘƻǳǘ ǘƘŜ ǊƻŎƪέ [1](Brown and Fatt, 

1956). Usually, this kind of state occurs in heterogeneous rocks, where minerals are randomly 

distributed and there is no continuous oil networks through the rock.  

 It should be noted that both mixed-wet and fractionally-ǿŜǘ ŀǊŜ ǊŜŦŜǊǊŜŘ ŀǎ άƴŜǳǘǊŀƭ 

ǿŜǘέΦ  

 

4.2 Properties and Conditions that Affect Wettability  
 Wettability is a result of the contribution of many different properties and conditions. 

In order to study and measure wettability it is important to refer to the parameters that it is 

depended on. These parameters are: oil polar components, brine composition, minerology, 

surface reactivity, temperature and pressure. Additionally, the effect that ageing has on the 

wettability stabilization is discussed.  

 

4.2.1 Oil polar compounds  
 Polar components play a key role in oil recovery mainly because they regulate the pH 

conditions of the system. It is well known that pH indicates the concentration of [H3O]+ present 

in a solution and pOH, the concentration of [OH]- in the solution, expressed in [mol/L].  

 For equilibrium to be established, oil polar components attach to the surface. 

Depending on the different chemical bond, some of them attach strongly and other weakly. 

The stronger the oil polar compounds are attached to the surface, the more oil wet the rock 

is, since, more energy is required to break the bonds.  
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 The properties that indicate the amount of surface active negatively charged (acidic) 

and surface active positively charged (basic) polar components are called Acid Number (AN) 

and Base Number (BN) respectively. Both are expressed in [mg KOH/g oil]. The Acid Number 

indicates the mg of KOH needed to neutralize the acids components in 1g of oil. On the other 

hand, the Base Number indicates the amount of mg KOH needed to neutralize the amount of 

acids that is needed to neutralize the bases in 1g of oil. The higher the Base Number, the 

higher the number of acidic components (e.g. R-COO-) that are present in the oil, whereas a 

high Base Number indicates high amount of basic compounds (e.g. basic N-compounds) 

More specifically,  

ὃὔ
ᶻᶻ Ȣ

   [4.2.1.1] 

 

Where, 

  v: Volume of titration solvent (ml) 

  b: Volume of blank solution (ml) 

  N: Normality of the KOH solution 

  w: Weight of the sample (g) 

And,  

ὄὔ
 z

ᶻ
ὓz [15]  [4.2.1.2] 

 

Where, 

¶ BN: Base Number [mg KOH/g oil] 

¶ Ctitrant: Concentration of titrant [eq/L] 

¶ Vtittrant : Volume of titrant [ml] 

¶ Vblank: Volume of blank solution [ml] 

¶ ne
-
titrant: Number of eτin the titrant solution 

¶ msample: Mass of sample [g] 

¶ MKOH: Molar mass of KOH solution [g/mol] 

 

Normality is a measure of the concentration of a liquid solution expressed in molar 

equivalents [meq] of a chemical compound or an ion, diluted in one (1) litre solution.  

Molarity  is a measure of the concentration of a liquid solution expressed in grams of 

a chemical compound, diluted in one (1) litre solution. 

 There are several methods that estimate those properties (e.g. photometric 

determination, thermometric determination, conductometric determination, spectrometric 

determination)[14]. The one that will be used in this study is called potentiometric titration . It 
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ƛǎ ōŀǎŜŘ ƻƴ bŜǊƴǎǘΩǎ Ŝǉǳŀǘƛƻƴ όмууфύΣ ǘƘǊƻǳƎƘ ǿƘƛŎƘ ŦƻǊ ǘƘŜ ŦƛǊǎǘ ǘƛƳŜΣ ǘƘŜ ƛƻƴ ŎƻƴŎŜƴǘǊŀǘƛƻƴ 

of a solution was related ǘƻ ǾƻƭǘŀƎŜΦ bŜǊƴǎǘΩǎ Ŝǉǳŀǘƛƻƴ ƛǎ ŀǇǇƭƛŜŘ ŦƻǊ any electrochemical 

reaction. Since an electrochemical reaction is defined as any process either caused or 

accompanied by the passage of an electric current and in most cases exchange of electrons 

occurs.[28] Such reactions are the reduction-oxidation (redox) reactions.  

¢ƘŜ bŜǊƴǎǘΩǎ Ŝǉǳŀǘƛƻƴ ƛǎ ŜȄǇǊŜǎǎŜŘ ŀǎΥ 

ῴ Ὁ ÌÎ ὗ     [4.2.1.3] 

Where: 

E: Reduction potential in anion-equilibrium condition.   

Eo: Standard reduction potential in steady state conditions. 

R: Gas constant (8.314 J/(mol*K)). 

n: Number of e-  that are being exchanged. 

CΥ CŀǊŀŘŀȅΩǎ Ŏƻƴǎǘŀƴǘ όфсΣпурΦопмр /κƳƻƭύΦ 

vΥ ǊŜŀŎǘƛƻƴΩǎ ƛƴŘƛŎŀǘƻǊ ǿƘŜƴ ǘƘŜ ǎȅǎǘŜƳ ƛǎ on a non- steady state condition.  

 

ὗ
  

   
              [4.2.1.4] 

 

Note: At equilibrium: 

¶ vҐY όǊŜŀŎǘƛƻƴΩǎ Ŏƻƴǎǘŀƴǘύ ŀƴŘ 

¶ E=0 (no ionic exchange)  

 

The method is similar to direct titration of neutralization reactions, but in this case, no 

chemical indicator is used and instead, the potential across the analyte is measured. More 

specifically, the electrode used for the potentiometric titration is calibrated by using buffer 

solutions of pH=4, pH=7 and pH=10. A blank solution is an acid or base that is added to 

increase the acid or base content for better resolution. The content of the blank is subtracted 

from the sample measurement, in order to get the result of the acid or base content of the 

actual sample. The current of the blank solution which is measured by an electrode, is used as 

an indicator for the sample measurements.  The Acid and Base number in both blank and 

sample measurements, is indicated by using a titrant solution which is added automatically by 

the potentiometric titration device until the solution is neutralized. The solution of the titrant 

and all the chemical used for the potentiometric titrations are shown in Tables 1 and 2. 
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The parts that the potentiometric titration 

device consists of are: 

1: One litre bottle which contains Titrant 

solution. 

2: Removable plastic container. 

3: Stirrer. 

4.a: Electrode ς Reception for the 

electrode to come in contact with the 

solution needed to be measured. 

4.b: Electrode ς Reception for the 

electrodes to be placed after the 

measurement has finished. Contain liquid    

 KCl [3M] for the electrode not to be dried.  

    5: Pumps 

 

Table 2: Solutions used in potentiometric titration for Acid and Base Number measurements 

Solution Chemicals for AN 
measurements 

Chemicals for BN 
measurements 

Titrant KOH,  
2-propanol  

Perchloric acid,  
Acetic Anydrite,  

Acetic Acid 

Titration Solvent DI water, 
 2-propanol, 

 Toluene 

Methyl-isobutyl ketone 
(MIBK) 

Spiking Solution Stearic Acid, 
Titration solvent  

Quinoline,  
Decane 

Electrode/Electrolyte KCl Sodium perchlorate,  
2-propanol 

 

The potentiometric titration device is connected to a personal computer and the 

signals of the electrode are recorded and visualized through a software. The software depicts 

graphically the current measured through the electrode in millivolts [mV] in relation with the 

volume (ml) of titrant added in order to neutralize the solution measured.  

The endpoint of the titration is designated by the software by calculating the first and 

the second integral of the curve. In Figure 4.4, a typical potentiometric titration curve is 

depicted and the main features of the curve are described below. 

Figure 4.3: Compact Potentiometric Titrator G20 Mettler-

Toledo International Inc .[29] 
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Figure 4.44: Typical Potentiometric titration curve[16] 

 

Features of the titration curve [4.17] 

ω The wave-like shape occurs because of the rapid change in voltage around the 

endpoint of the reaction. 

ω The endpoint break is the large change in voltage after the endpoint. 

ω The endpoint break should be as large as possible to improve accuracy of detection: 

this is done by choosing the titrant volume carefully. 

ω The endpoint volume is defined as the volume half-way up the endpoint break. 

ω The voltage values before the endpoint are due to the analyte. 

ω The voltage values after the endpoint are due to the titrant. 

 

4.2.2 Brine composition 
 The formation water affects the initial wetting condition of the reservoir rocks, since 

the polar components of the brine react first with the surface. It has been experimentally 

verified that the interaction between Magnesium (Mg2+), Calcium (Ca2+) and Sulphate (SO42-) 

play a key role on limestone water-wetness.[4.22] From previous experimental studies, it has 

been observed that the higher the concentration of these ions, the more water-wet the 

limestone appears to be.  

4.2.3 Surface reactivity 
 Another property that determines wettability is the relative magnitude of the forces 

of interaction between the two liquid phases and the rock surface. [4.23, 4.24] These interactions 

are classified into non-polar (Lifshitzςvan der Waals interactions) and polar (acidςbase 

interactions) ones. The surface reactivity is determined by the acid-base interactions. More 
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specifically, it is the interaction between the polar components, which makes ion-bridge like 

charges that regulate the wetting condition [4.18]. 

 It is noted that the larger polar compounds do not exhibit high interactivity. In 

contrast it has been noticed that these compounds reduce surface reactivity. As a result, it is 

the smaller polar components that regulate the surface reactivity. This phenomenon is 

attributed to the kinetic energy that the smaller molecules (or ions) have, which leads to 

greater reactivity.  

Another way for polar compounds to be adsorbed onto the surface is through surface 

precipitation. For chalk rocks, sulfate precipitates on the surface and ƛǎ ōŜƛƴƎ άŎƻƴǎǳƳŜŘέΦ bƻ 

strong bonding has been experimentally recorded though, since the sulfate adsorption can be 

removed by flooding approximately three pore volumes (3PV) of DI water through the core. 

However, Sulphate precipitation plays a key role on improving oil recovery on Chalk rocks and 

it is considered one of the main factors affecting the wetting state of the rock.   

 

4.2.4 Mineralogy  
 Each type of reservoir rock contains a variety of minerals that interact with the oil and 

brine differently. For instance, clay is the main wetting mineral in Sandstones, which makes 

their surface negatively charged. As a result, positively charged oil polar compounds (e.g. 

amine group, R-NH4
+) mostly interact with the surface.  In contrast, Carbonates attract 

negatively charged oil compounds (e.g. carboxylic acid, R-COO-). Carbonates develop stronger 

bonds with oil polar compounds which makes their surface usually more oil-wet, compared to 

sandstones.  

  

 

 

 

 

 

 

 

 

 

 

However, there are field observations that show that the existence of Anhydrite 

(CaSO3) in Carbonate reservoir rocks, tends to make the surface more water wet. It is 

considered that sulphate precipitation is responsible for the water preference of the 

Carbonate rocks.  

 

Figure 4.5: Charged Sandstone surface 

(UiS wettability presentation) 

Figure 4.6: Charged Carbonate surface (UiS 

wettability presentation) 
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4.2.5 Temperature and pressure 
 The effect of temperature and pressure on wettability has been experimentally 

investigated. It has been found that as temperature and pressure increase in a 

sandstone/oil/brine system, the contact angle increases.[4.25] As a result, the system tends to 

be more oil-wet. The opposite occurs for carbonates. As the temperature and the pressure 

increase, the contact angle decreases, which means that the system becomes more water-

wet. [4.25]However, more research needs to be done with respect to the reservoir conditions. 

 

4.3 Methods to measure wettability 
 Measuring wettability is not an easy task. Several techniques have been developed 

and proposed, for this purpose. It is important to express wettability as a number (or 

percentage), in order to relate it to different properties (e.g. surface tension, capillary forces 

etc). In addition, rocks with similar wettability, appear alike in behavior. As a result, being able 

to quantify wettability numerically, makes the comparison between different rocks 

straightforward. The four most well-known methods to measure wettability are presented 

below.   

 

4.3.1 Contact angle measurement  
 In order to measure the contact angle, many different devices and techniques can be 

used. Some of them are: static sessile drop method (goniometer)[4.3], pendant drop 

method[4.4], dynamic sessile drop method[4.5], dynamic Wilhelmy method[4.6], single-fiber 

Whilhelmy method[4.7] and others[4.8]. It is not considered necessary to describe each method 

separately.   

 

4.3.2 Core Oil Recovery tests 
  In order to measure the wettability of a rock, oil recovery tests can experimentally be 

conducted. More specifically, two procedures are used: Spontaneous Imbibition (SI) and 

Forced Displacement, either separately or one as a succession of the other. Wettability is 

expressed as a percentage of the oil displaced, according to the equation: 

ϷὕὕὍὖ  ρzππ (%)   [4.3.2.1] 

 

Where: 

¶ %OOIP: percent of original oil in place 

¶ V oil produced: Oil produced through the test  

¶ PV: pore volume  

 

4.3.2.a Spontaneous Imbibition Process (SI) 
  Spontaneous imbibition process is used as a macroscopic method to measure 

wettability. This experimental procedure is the most widely used, by the oil industry. The rocks 

that imbibe water spontaneously are at least partially water-wet. [4.10] According to that 

technique, the core is placed inside the spontaneous imbibition cell made of glass, which has 
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a volumetric tube on top, where the oil is collected and measured. A spontaneous imbibition 

fluid, usually formation water, is used in order to fill the cell and imbibe onto the surface. In 

order to examine the capillary forces, the fluid is ought not to react chemically with the rock 

surface, since a chemical interaction would result to a wettability alteration. This procedure 

occurs at the same temperature conditions that the oil saturation or oil flooding took place. 

Typical temperature values: ambient conditions (20oC), 50oC, 70oC, 120oC. Higher 

temperatures are usually used in order to decrease oil viscosity and acquire better oil 

saturation.  

The volume of the oil recovered depends on the capillary forces and the time that the core 

has been left inside the cell. Assuming a water wet system then: 

¶ The stronger the capillary forces, the higher the oil recovery. 

¶ The more time the core is left inside the cell, the greater the oil recovery. 

 

4.3.2.b Forced Displacement  
 Forced Displacement (or Viscous Flooding) is a technique usually applied after the 

Spontaneous Imbibition, in order to maximize oil recovery and study the interaction between 

the capillary and the viscous forces. Viscous forces refer to the force applied by pumping the 

fluid through the core. During this process, a flooding set-up is used, where the core is placed 

inside a rubber holder. A forced displacement fluid is pumped through the core in order to 

displace the oil. This procedure takes place at the same temperature (50oC) and the same 

displacement fluid is used (VB0S) as in the Spontaneous Imbibition process.  

 The oil production through the Forced Displacement process depends onto the 

capillary and viscous forces that develop inside the porous medium during the oil 

displacement, on the homogeneity of the core, the flow rate, the confining pressure, the 

temperature and the permeability.  

 In Forced Imbibition, strong capillary forces or high water wetness can lead to snap-

off and a lot of oil can be bypassed. As long as the force that drives the oil out of the core 

(viscous force) is greater than the capillary force, oil production will be observed, regardless 

of the wetting state of the core. In case a core is at least partially water-wet, the capillary 

forces can act in addition to the viscous forces and oil can be displaced from the smaller pores. 

This occurs only in the case that the microscopic sweep is larger than the snap-off, since snap-

off is also taking place at water-wet conditions.  

The more homogeneous the core is, the more oil is 

displaced, since the pores are connected and the forced 

displacement fluid covers higher percentage of the porous 

medium (Figure 4.7). 

The application of confining pressure ensures that 

the core is sufficiently hold by the rubber sleeve and the 

fluid is passing through the core only. Furthermore, it 

simulates the overburden pressure which is applied on the 

formation. It is not ought to exceed a specific value (typical 

value: 20bar), for the core not to be damaged.  
Figure 4.7: Two different Stevns Klint 

Chalk cores after oil flooding cut in 

half (UiS)5 
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The temperature acts complementary to the oil production, since the higher the 

temperature, the easier the oil flows, since viscosity of the decreases (lower relative oil 

permeability). It is noted that the higher the permeability, the faster the oil recovery occurs.  

 

4.3.3 Amott Index  
 The Amott index is the most widely used index by the oil industry, to define 

wettability. It is based on two spontaneous imbibitions and two forced displacements. [4.12] 

(Anderson 1986b, Morrow 1990): 

The initial condition is at point X (view Figure 4.8) where the core is saturated with oil 

(Sor). Spontaneous imbibition takes place and the amount of oil displaced by the brine (Vwsp) 

is noted (point B). Until that point, the brine imbibes naturally onto the surface. Afterwards, 

viscous flooding (or centrifugation) is applied until no more oil can be displaced (point Y). Then 

the Water Index is calculated as: 

ὡὥὸὩὶ ὍὲὨὩὼ    [4.3.3.1] 

Where, 

¶ Vwsp: volume of oil displaced by spontaneous imbibition (SI) 

¶ Swt: amount of oil displaced (by SI and forced displacement) 

On diagram (Figure 4.8) these values are referred as: 

ὡὥὸὩὶ ὍὲὨὩὼ   [4.3.3.2] 

Where, 

¶ AB: space on Amott index diagram which refers to the spontaneous water imbibition 

area. 

¶ AC: space on Amott index diagram which refers to the total water imbibition area. 

 The same procedure is followed in order to calculate the oil index, but this time 

instead of using brine as spontaneous imbibition fluid on an oil saturated core, the core is 

saturated with brine (Swi) and oil is used in order to displace the brine. Initially, spontaneous 

imbibition with oil is performed until point D, where no more oil can naturally imbibe into the 

rock (Vosp). Afterwards, forced displacement (or centrifugation) with oil until the X point is 

applied (Vwt). Oil displaces brine, until equilibrium is established. The Oil Index is calculated 

through the equation: 

ὕὭὰ ὍὲὨὩὼ
  

   [4.3.3.3] 

Where, 

¶ Vosp: amount of water displaced by water imbibition 

¶ Vwt: total amount of oil displaced (by water imbibition and forced displacement) 

On diagram (Figure 4.8) these values are referred as: 

ὕὭὰ ὍὲὨὩὼ   [4.3.3.4] 
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Where,  

¶ CD: space on Amott index diagram which refers to the amount of water displaced by 

the imbibition. 

¶ AC: space on Amott index diagram which refers to the total water imbibition area. 

 

The wettability Amott index W is then calculated as the difference: 
 

ὡ ὡὥὸὩὶ ὍὲὨὩὼὕὭὰ ὍὲὨὩὼ  [4.3.3.5] 
 

The wettability Amott index can take values from zero (0) to one (1). The more oil wet 

the system is, the closer the value of Wettability Index (W) is to 0. The opposite occurs for 

water wet cores. As it can be shown in Figure 4.9, the Amott index can also be expressed as 

Amott ternary diagram, in order to better interpret the wetting condition.  

 

 

 

 

 

 

 

 

 
 

 

 

 

4.3.4 Chromatographic wettability test 
 The chromatographic wettability test for carbonates was proposed by Strand et al. 

(2006). The operating principle of Ion Chromatography is the same as of the liquid or gas 

chromatography. It is based on the delay time for each ion to be detected by the ion 

chromatograph. That way, the concentrations of the desired ions of each effluent are 

measured. 

The brines flooded during the chromatographic wettability test is Sea Water without 

tracer nor sulfate and Sea Water enriched with a specific amount of tracer (SCN-) and sulfate. 

The first one is used in order to displace brines flooded from previous tests (e.g. VB0S during 

the forced displacement) and remove ions, like sulphate (SO42-) that could affect the test.  The 

Figure 4.8: Ammot Wettability Index Calculation 
[13]6 

Figure 4.9: Ammot Wettability Index Ternary Diagram [13] 
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tracer present in the SW1/ 2T is used as a calibrator, since it does not adsorb onto the surface 

at all, whereas Sulfate adsorb onto the water-wet calcite surfaces and the delay time that it 

takes for sulfate to be detected is proportional to the water-wetness of the core. (Figure 4.9)  

The chromatographic wettability test is ought to be conducted at ambient conditions 

for the results to be representative, since higher temperature can cause wettability alteration 

and turn the core into more water-wet. During flooding, effluent samples of the brine which 

contains tracer (SCN-) are collected in order to be analyzed by the Dionex ICS-3000 Ion 

Chromatograph device. More specifically, the relative concentrations of the tracer (SCN-) and 

the sulphate (SO4
2-) measured by the Ion Chromatograph are plotted with respect to the pore 

volumes flooded. The relative concentration of each ion (SCN-, SO4
2-) is calculated as: 

 

ὅ    [4.3.4.1] 

 

Where, 

¶ Ceffluent: the concentration of SCN- or SO4
2- of the effluent sample  

¶ Cinitail: the initial concentration of SCN- or SO4
2- of the brine flooded. 

 

The effluent samples are collected in glass containers that have a capacity of 

approximately seven milliliters (7ml). The weight of these containers is measured before and 

after the flooding. The weight difference is the mass of the brine collected. The mass can be 

converted into volume using the density of the brine. That way, the pore volumes flooded can 

be calculated. 

ὖὠ    [4.3.4.2] 

Where, 

¶ minitial: the initial weight of the container [g]. 

¶ mfinal: the final weight of the container [g]. 

¶ dbrine: the density of the brine flooded [g/ml]. 

 

As it was mentioned above, the tracer does not adsorb onto the surface of the rock, 

whereas the amount of sulphate that is being adsorbed by the rock is related to its water-

wetness. The longer it takes for sulphate to flood through the core, the more water-wet the 

core is. [4.9] It is noted that the chromatographic brines (SW0T and SW1/ 2T) both have 

approximately the same density and viscosity. 

In Figure 4.10 the relative concentrations of sulfate (SO4
2-) and the tracer (SCN-) are 

plotted with respect to the pore volumes flooded. Since separation between the tracer curve 

and the sulphate curve is exhibited, the core shows a degree of water-wetness. Both lines 

follow a logistic Sigmoid curve (S-shaped curve). [4.32] 



47 
 

 

Figure 4.10: Schematic illustration of the chromatographic wettability test separation (Aksulu 2010)  

 

The wettability index (ICW) proposed by Strand et al. (2006) is given by the ratio: 

Ὅ     [4.3.4.3] 

Where,  

¶ Awet: area defined by the sulphate curve and the tracer curve (hatched area). 

¶ AWW: area defined by the sulphate curve and the tracer curve in a completely water-

wet system (reference area) 

 

The core used in order to define the reference area, is as mentioned, a completely water-

wet core (Swi=1 as it, has not been flooded with oil) and is called reference core. The area 

defined between the sulphate curve and the tracer curve (as the hatched one in Figure 4.10) 

for that core, will be bigger compared to any other mixed-wet or oil-wet case, since there is a 

larger surface for sulfate (SO4
2-) to be adsorbed onto. 

That means that when ICW is equal to 1 (100%), the surface is completely water wet, 

when it is equal to 0.5 (50%), the surface is neutral wet, whereas if it is equal to 0 (0%) the 

surface is completely oil wet. [4.21] This test in general exhibits good repeatability and it is 

considered reliable for reservoir cores and more specifically for cores that appear to be 

homogeneous. However, it is limited to carbonate cores and material that contain low 

amounts of anhydrite (CaSO4), because sulphate adsorbs onto carbonates due to its positively 

charged surface. [4.9, 4.21] This method has not been developed for other reservoir rocks, yet. 

 

4.4 Properties affected by Wettability 
 The wetting state of the rock has an impact on relative permeabilities (k) and water 

flooding behavior, since wettability regulates, the flow and the fluid distribution in the rock. 

Other parameters that are being affected by wettability is the initial oil saturation and the oil 

recovery.  

 Wettability affects the relative permeabilities, since it controls the distribution of the 

immiscible fluids on the rock surface. This occurs due to the capillary forces, which 






























































































































